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ABSTRACT 
 
 
 
 

 Acid gas removal process, which is also known as gas sweetening process, is 

a very important industrial operation that has been described in many works. The 

main processes installed are based on absorption, and the selection of the solvent is 

based on its capability to absorb or remove acid gases such as carbon dioxide (CO2) 

and hydrogen sulphide (H2S). Realizing such acid gases can cause operational 

problems such as corrosion and equipment plugging, the solvent used for absorption 

can be classified into chemical and physical types. The widely used absorption 

processes to sweeten natural gas are using chemical solvent such as alkanolamines or 

simply called “amine”. In this context, monoethanolamine (MEA) and 

methyldiethanolamine (MDEA) are among the most common amine used in the 

aqueous solution to remove both CO2 and H2S gases from natural gas stream. In this 

research, existing process flow diagram of industrial Acid Gas Removal Unit 

(AGRU) has been modified in terms of solvent used for absorption process. The 

mixture of MEA and MDEA in aqueous amine solution replaces the existing solvent 

known as Benfield solution. Simulation using Aspen Hysys is then performed to 

compare both existing and modified absorption processes according to four 

parameters, which are absorption column removal efficiency, power consumption, 

heating duty and cooling duty. The simulation results shows amine solution offers 

attractive solvent option to be used in improving existing AGRU system. For the 

same absorption column removal efficiency, amine solution can save 11.2% annual 

power consumption, which is equivalent to RM 967270 per year. Even though there 

is no change for heating duty, the cooling duty requirement however can be reduced 

by 17%, which saves about RM 27324 per year for the amine solution. These savings 

can be further analyzed when considering and comparing other aspects of operational 

experiences such as foaming, solvent degradation and corrosion problems.   
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ABSTRAK 
 
 
 
 

 Proses penyingkiran gas asid yang turut dikenali sebagai proses pemanisan 

gas, adalah satu operasi penting industri. Proses-proses utama adalah berdasarkan 

keupayaan penyerapan, dan pemilihan pelarut adalah diasaskan keupayaannya bagi 

menyerap atau membuang gas asid seperti karbon dioksida (CO2) dan hidrogen 

sulfida (H2S). Menyedari gas asid boleh menyebabkan masalah operasi seperti 

kakisan dan penyumbatan alat, pelarut yang digunakan untuk penyerapan dapat 

diklasifikasikan kepada sifat-sifat kimia dan fizikal. Proses penyerapan digunakan 

secara meluas untuk memaniskan gas asli dengan menggunakan pelarut kimia seperti 

alkanolamines atau dipanggil hanya “amina". Dalam konteks ini, monoethanolamine 

(MEA) dan methyldiethanolamine (MDEA) adalah antara amina yang paling biasa 

digunakan dalam larutan bagi membuang kedua gas CO2 dan H2S dari saliran gas 

asli. Dalam penyelidikan ini, gambar rajah aliran proses perindustrian Acid Gas 

Removal Unit (AGRU) telah diubah suai berdasarkan pelarut yang digunakan untuk 

proses penyerapan. Campuran larutan MEA dan MDEA dalam larutan amina bagi 

menggantikan pelarut sedia ada yang dikenali sebagai larutan Benfield. Simulasi 

menggunakan Aspen Hysys dilaksanakan untuk membandingkan kedua-dua keadaan 

dan perubahan proses penyerapan berdasarkan empat parameter iaitu kecekapan 

penyingkiran turus penyerapan, penggunaan kuasa, proses pemanasan dan 

penyejukan. Keputusan simulasi menunjukkan larutan amina menjadi pilihan pelarut 

yang menarik diguna pakai dalam meningkatkan sistem AGRU sedia ada. Bagi turus 

penyerapan yang mempunyai kecekapan penyingkiran yang sama, penyelesaian 

amina boleh dijimatkan sebanyak 11.2% penggunaan kuasa tahunan bersamaan RM 

967,270 setiap tahun. Walaupun tiada perubahan untuk proses pemanasan, proses 

pendinginan bagaimanapun boleh dikurangkan sebanyak 17% iaitu penjimatan 

sebanyak RM 27,324 setiap tahun untuk larutan amina. Penjimatan ini masih boleh 

dianalisis selanjutnya dengan menitik beratkan dan membandingkan aspek-aspek 

operasi seperti berbuih, degradasi pelarut dan masalah kakisan. 
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CHAPTER 1 
 
 
 
 

INTRODUCTION 
 
 
 
 

1.1 Natural Gas and Natural Gas Industry. 
 
 
 The natural gas industry began in early 1900s in the United State and is still 

evolving. This high quality fuel and chemicals feedstock plays an important role in 

the industrial world and is becoming an important export for other countries.  

 
 
1.1.1  History of Natural Gas 
 
 
 The Chinese are reputed to have been the first to use natural gas 

commercially, some 2400 years ago. The gas was obtained from shallow wells, 

transported in bamboo pipes and used to produce salt from brine in gas-fired 

evaporators. Manufactured, or town gas (gas manufactured from coal) was used in 

both Britain and the United States in the late 17th and early 18th centuries for 

streetlights and house lighting. The next recorded commercial use of natural gas 

occurred in 1821. During following years, a number of small, local programs 

involved natural gas, but large-scale activity began in the early years of the 20th 

century. The major boom in gas usage occurred after World War II, when 

engineering advances allowed the construction of safe, reliable, long distance 

pipelines for gas transportation. At the end of 2004, the United State had more than 

479,000 kilometers of gas pipelines, both interstate and intrastate. In 2004, the U.S 

was the world’s second largest producer of natural gas 543 billion standard cubic 

meters (BSm3) and the leading world consumer 647 BSm3.  
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Although the primary use of natural gas is as fuel, it is also a source of hydrocarbons 

for petrochemicals feedstock and a major source of elemental sulfur, an important 

industrial chemical. Its popularity as an energy source is expected to grow 

substantially in the future because natural gas presents many environmental 

advantages over petroleum and coal.  

 
 
1.1.2 Natural Gas Industry In Malaysia. 
 
 
 Natural gas is amongst one of the fastest growing component of the world 

primary energy consumption. Consumption of natural gas worldwide of 2660 Bm3 in 

2005 is forecasted to increase by more than 90 per cent by year 2030. Globally, the 

industrial and electric power sectors are the largest consumers of natural gas. The 

total world gas reserves currently stand at 171136 Bm3 with Russia, holding 27 per 

cent having the largest reserves. 

 
 
 Over the last two decades, the Malaysian gas industry has grown significantly 

with the support of government policies that are aimed at reducing dependence on oil 

while ensuring a cleaner environment. A large part of this success is attributed to 

careful planning that has facilitated the timely development of the country’s 

abundant gas resources to meet national economic and energy objectives. 

 
 
 Malaysia is endowed with natural gas reserves that are three times larger than 

its oil reserves. With total proven natural gas reserves of 2400 Bm3, Malaysia is 

ranked the 13th largest in the world. Most of these gas reserves are located offshore 

Peninsular Malaysia, Sarawak and Sabah. 

 
 
 These natural gas resources are carefully harnessed to serve as the main 

source of fuel for Malaysia’s industrialisation through the Industrial Master Plan, 

charting out the long-term energy utilisation strategy for Malaysia. This saw 

Malaysia ushering in the gas era in the 1980s with the introduction of natural gas as a 

source of fuel for power generation and industrial development as well as the 
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harnessing of the gas resources for foreign exchange earnings in the form of liquefied 

natural gas exports. 

 
 The natural gas resources in Malaysia are distributed almost equally between 

Peninsular Malaysia in the west and Sarawak and Sabah in the east. Due to the low 

population density in the states of Sarawak and Sabah on the island of Borneo, the 

natural gas resources found offshore Sarawak are harnessed to produce liquefied 

natural gas (LNG) for exports. 

 
 
1.1.3 Sources of Natural Gas 

 
 

 Conventional natural gas generally occurs in deep reservoirs, associated 

either with crude oil also known as associated gas, which is found in association with 

crude oil either dissolved in the oil or as a cap of free gas above the oil or in 

reservoirs that contain little or no crude oil. Associated gas is produced with the oil 

and separated at the casing head or wellhead. Gas produced in this fashion is also 

referred to as casing head gas, oil well gas, or dissolved gas. Non-associated gas is 

sometimes referred to as gas-well gas or dry gas. However, this dry gas can still 

contain significant amounts of natural gas liquid (NGL) components. The differences 

of associated gas and non-associated gas in term of the compositions as shown in 

Table 1.1 below.  

 
Table 1.1: Differences between associated gas and non-associated gas in term of the 

compositions. (Valais,1983) 

Components Non-associated Gas 

Lacq (FRA) (vol %) 

Associated Gas 

Uthmaniyah (SAU) (vol %) 

Methane 69.0 55.5 

Ethane 3.0 18.0 

Propane 0.9 9.8 

Butane 0.5 4.5 

Pentane plus 0.5 1.6 

Nitrogen 1.5 0.2 
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Hydrogen Sulphate 15.3 1.5 

Carbon Dioxide 9.3 8.9 

 
 
1.1.4 Compositions of Natural Gas 
 
 
 Natural gas is a combustible mixture of hydrocarbon gases. While natural gas 

is formed primarily of methane, it can also include ethane, propane, butane and 

pentane. The composition of natural gas can vary widely, but Table 1.2 shows the 

typical makeup of natural gas before it is refined. 

 
Table 1.2: Typical Composition of Natural Gas  

Components Typical Analysis 
(mole %) 

Range       
(mole %) 

Methane 94.9 87.0 - 96.0 

Ethane 2.5 1.8 - 5.1 

Propane 0.2 0.1 - 1.5 

iso - Butane 0.03 0.01 - 0.3 

normal - Butane 0.03 0.01 - 0.3 

iso - Pentane 0.01 trace - 0.14 

normal - Pentane 0.01 trace - 0.04 

Hexanes plus 0.01 trace - 0.06 

Nitrogen 1.6 1.3 - 5.6 

Carbon Dioxide 0.7 0.1 - 1.0 

Hydrogen Sulphate 1.0 0.1 – 5.0 

Oxygen 0.02 0.01 - 0.1 

Specific Gravity 0.585 0.57 - 0.62 

Gross Heating Value (MJ/m3), dry 
basis  

37.8 36.0 - 40.2 
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1.2 Acid Gas in Natural Gas Flow 
 
 
 Acid gas removal or gas treating involves reduction of the acid gases such as 

carbon dioxide (CO2) and hydrogen sulfide (H2S), along with other sulfur species, to 

sufficiently low levels. This removal process is required in order to meet contractual 

specifications or permit additional processing in the plant without corrosion and 

plugging problems. 

 
 
 Carbon dioxide is a colorless, odorless gas. When inhaled at concentrations 

much higher than usual atmospheric levels, it can produce a sour taste in the mouth 

and a stinging sensation in the nose and throat. These effects result from the gas 

dissolving in the mucous membranes and saliva, forming a weak solution of carbonic 

acid. This sensation can also occur during an attempt to stifle a burp after drinking a 

carbonated beverage. Amounts above 5,000 ppm are considered very unhealthy, and 

those above about 50,000 ppm (equal to 5% by volume) are considered dangerous to 

animal life. 

 
 
 Hydrogen sulfide is highly toxic, and the presence of water it forms a weak, 

corrosive acid. The threshold limit value (TLV) for prolonged exposure is 10ppm 

and at concentrations greater than 1000 ppm, death occurs in minutes (Engineering 

Data Book, 2004). It is readily detectable at low concentration by its “rotten eggs” 

odor. Unfortunately, at toxic levels, it is odorless because it deaden nerve endings un 

the nose in a matter of seconds. 

 
 
 When H2S concentrations are well above the ppmv level, other sulfur species 

can  be present. These compounds include carbon disulfide (CS2), mercaptans 

(RSH), and sulfides (RSR), in addition to elemental sulfur. If CO2 is present as well, 

the gas may contain trace amount of carbonyl sulfide (COS). The major source of 

COS typically is formation during regeneration of molecular sieve beds. Carbon 

dioxide is nonflammable; consequently, large quantities are undesirables in a fuel. 

Like H2S, it forms a weak, corrosive acid in the presence of water. 
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 The presence of H2S in liquids is usually detected by use of the copper strip 

test (ASTM D1838 Standard test method for copper strip corrosion by liquefied 

petroleum (LP) gases). This test detects the presence of materials that could corrode 

copper fittings. One common method of determining ppm level in H2S in gases is to 

use stain tubes, which involves was sampling into a glass tubes that changes color on 

the basis of H2S concentration. 

 
 
 
 
1.3 Acid Gas Removal Processes. 
 
 
 Acid gas removal process as shown in Figure 1.1 is a very important 

industrial operation, which has been described in many works. The main processes 

used are based on absorption, and the selectivity of the solvent with respect to acid 

gasses is based on an affinity of the chemical or physical type. Adsorption is also 

used for intensive purification. Gas permeation has a substantial potential, but today, 

industrial applications are limited. 

 
 
 Many factors must be considered in selecting an acid gas removal process 

including, natural gas composition, acid gas content of the gas to be processed, final 

specifications, gas throughput to be processed, inlet pressure and temperature 

conditions, H2S removal conditions with or without sulfur recovery, acid gas disposal 

method and relative cost. 
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Figure 1.1: Simplified Process Flow Diagram for Acid Gas Removal Unit (AGRU) 
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1.3.1 Process Based on Chemical Solvents 
 
 
1.3.1.1 Using Amine Solution 
 
 
 From Figure 1.2, the sour gas feed enters the bottom of the contactor at 

pressure to 1000 psi and the temperature in the range of 32°C. the sour gas flows 

upward, countercurrent to the lean amine solution, which flows down from the top. 

The lean amine that returns to the contactor is maintained at the temperature above 

the vapor that exits the contactor to prevent any condensation of heavier liquid 

hydrocarbon. Intimate contact between the gas and the amine solution is achieved by 

use of either trays or packing in the contactor 

 
 

 
 

Figure 1.2: Process Flow Diagram for Amine Treating. 
 
 

 The contactor operates above ambient temperature because of the combined 

exothermic of the absorption and reaction. The maximum temperature is in the lower 

portion of the tower because the majority of the absorption and reaction occurs near 

the bottom of the unit. The temperature bulge in the tower can be up to about 80°C. 
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The treated gas leaves the top of the tower water saturated and at a temperature 

controlled by the temperature of the lean amine that enters, usually around 38°C. 

 
 

 The rich amine leaves the bottom of the contactor unit at temperatures near 

60°C and enters the flash tank, where its pressure reduced to 75 to 100 psig to 

remove by flashing any dissolved hydrocarbons. The dissolved hydrocarbons are 

generally used as plant fuel. If necessary, a small stream of lean amine is contacted 

with the fuel gas to reduce H2S concentration. The rich amine then passes through 

the heat exchanger and enter the solvent regenerator (stripper) at temperatures in the 

range of 80 to 105°C. the re-boiler on the stripper generally uses low-pressure steam. 

The vapor generated at the bottom flows upwards through either trays or packing, 

where it contacts the rich amine and strips the acid gases from the liquid that flows 

down. A stream of lean amine is removed from the stripper, cooled to about 45°C, 

and reenters the contactor at the top to cool and condense the upward flowing vapor 

stream. The vapor, which consists mostly of acid gases and water vapor, exits the top 

of the stripper and is generally processed for sulfur recovery. 

 
 
 The lean amine exits the bottom of the stripper at about 130°C and is pumped 

to the contactor pressure, exchanges heat with the rich amine stream, and is further 

cooled before it enters the top of the contactor.  

 
 
1.3.1.2 Using Benfield Solution. 
 
 
 Benfield solution normally contain Potassium Carbonate (K2CO3), 

Diethanolamine (DEA), Vanadium (V2O5), Thiosulfate and Chloride. From Figure 

1.3, in a typical application, the contactor will operate at approximately 300 psig, 

with the lean carbonate solution entering near 110°C and leaving at 115°C. The rich 

carbonate pressure is reducing approximately 5 psig as it enters the stripper. 

Approximately one-third to two third of the absorbed CO2 is released by the pressure 

reduction, reducing the amount of steam required for stripping (Kohl and Nielsen, 

1997). 
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Figure 1.3.: Process Flow Diagram for Hot Potassium Carbonate Process. 
 
 
 The lean carbonate solution leaves the stripper at the same temperature as it 

enters the contactor, and eliminates the need for the heat exchange between the rich 

and the lean stream. The heat of solution for absorption of CO2 in potassium 

carbonate is small, approximately 32 Btu/ft3 of CO2 (Bensen et al., 1954), and 

consequently the temperature rise in the contactor is small and less energy is required 

for regeneration.  

 
 
1.3.2 Processes Based on Physical Solvents. 
 
 
 These processes offer the advantages of requiring little or no heat to desorb 

the acid gases. On the other hand, they are sensitive to the presence of the heavy 

hydrocarbon in the gas, which are absorbed by the solvent and then desorbed with 

the acid gases. The use of the process based on the physical solvent is favored by the 

following conditions, which are gas available at relatively high pressure, low 

concentration of heavy hydrocarbon in the feed, high acid gas content in the feed and 

desired H2S/CO2. 
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 The absorption step is carried out in a tray or packed column. Regeneration is 

performed by successive expansions, stripping by neutral gas or re boiling of the 

solution. A number of processes are available (Maddox, 1982). 

 
 
1.3.3 Acid Gas Removal Process by Adsorption. 
 
 
 Adsorption is appropriate when very high gas purity is required. The use of 

molecular sieves helps to achieve simultaneous water and acid gas removal down to 

very low water contents such as 0.1-ppm vol. (Thomas and Clark, 1967; Consiver, 

1965). Large pore molecular sieves, such as 13X sieves, are used more frequently 

than 4A and 5A sieves, because they also allowed separation for all mercaptans 

(Kohl and Riesenfeld, 1985; Maddox, 1982). In the presence of CO2, molecular 

sieves tend to catalyze the formation of COS by reaction between H2S and CO2. New 

molecular sieves have been developed to retard this reaction (Kumar, 1987).Traces 

of glycol; glycol degradation products of absorption oil can poison the molecular 

sieve. If precaution are taken, a lifetime of 3-5 years before renewal of the sieve is 

considered normal (Conviser, 1965). 

 
 
1.3.4 Acid Gas Removal by Gas Permeation 
 
 
 Gas permeation is already applied industrially to remove carbon dioxide from 

natural gas (Meyer et al., 1991; Cooley, 1990).Gas permeation allows simultaneous 

removal of CO2 and water (H2O) from natural gas. This also offers the advantages of 

reducing the methane losing the permeate. The most advantageous alternative in 

economic terms is generally to operate with a single stage, without recompression of 

the low-pressure gas that passes through the membrane. Under this condition, gas 

permeation units can be justified economically with commercially available 

membranes only if the inlet carbon dioxide concentration is high and the final 

specification are not strict (Johnston and King. 1987). 
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1.4 Using Amine as a Solvent for Chemical Absorption 
 
 
 Amines are compounds formed from ammonia (NH3) by replacing one or 

more of the hydrogen atoms with another hydrocarbon group. Replacement of single 

hydrogen produces a primary amine, replacement of two hydrogen atoms produces a 

secondary amine, and replacement of all three of the hydrogen atoms produces a 

tertiary amine. Primary amines are the most reactive, followed by secondary and 

tertiary amines. Sterically hindered amines are compounds in which the reactive 

center (the nitrogen) is partially shielded by neighboring group so that larger 

molecules cannot easily approach and react with the nitrogen. The amines are used in 

water solutions in concentration ranging from approximately 10 to 65 wt% amines. 

Amines removed H2S and CO2 in two steps process, which are by dissolving the gas 

in the liquid (physical absorption) and the dissolved gas, which is weak acid, reacts 

with the weakly basic amines. 

 
 
1.4.1 Primary Amines 
 
 
 Monoethanolamine (MEA) is the most basic of the amines used in acid 

treating and thus the most reactive for acid gas removal. It has the advantage of a 

high solution capacity at moderate concentrations, and it is generally use for gas 

streams with moderate levels of CO2 and H2S when complete removal of both 

impurities is required. MEA also a relatively high vapor pressure that is results in 

high vaporization losses, higher corrosion rates than most other amines if the MEA 

concentration exceeds 20% at high level of acid gas loading (Kohl and Nielsen, 

1997) and inability to selectively remove H2S in the presence of CO2. 

 
 
1.4.2 Secondary Amines 
 
 
 Diethanolamine (DEA), a secondary amine, is less basic and reactive than 

MEA. Compared with MEA, it has a lower vapor pressure and thus, lower 

evaporation losses; it can operate at higher acid gas loadings, typically 0.35 to 0.8 

mole acid gas/mole of amine versus 0.3 to 0.4 mole acid-gas /mole; and it has a 

lower energy requirement for reactivation. Concentration ranges for DEA are 30-50 
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wt% and are primarily limited by corrosion. DEA forms regenerate able compounds 

with COS and CS2 and, thus, can be used for their partial removal without significant 

solution loss. DEA has disadvantage of undergoing irreversible side reactions with 

CO2 and forming corrosive degradation products; thus, it may not be the best choice 

for high CO2 gases. 

 
 
1.4.3 Tertiary Amines 
 
 
 Methyldiethanolamine (MDEA), a tertiary amine, selectively removes H2S to 

pipeline specifications while “slipping” some of the CO. As noted previously, the 

CO2 slippage occurs because H2S hydrolysis is much faster than for CO2, and the 

carbonate formation reaction does not occur with a tertiary amine. Consequently, 

short contact times in the absorber are used to obtain the selectivity. MDEA has a 

low vapor pressure and thus, can be used at concentrations up to 60wt% without 

appreciable vaporization losses. Even with its relatively slow kinetics with CO2, 

MDEA is used for bulk removal of CO2 from high concentration gases because 

energy requirement for regeneration are lower than those for the other amines 

(Veroba and Stewart, 2003). 

 
 
 
 
1.5 Problem Statement 
 
 
 Problem statement in this research refers to a problem occur that need to be 

solve. Problem statement will describe the cause and effect of the problem and help 

to choose the wise solution to overcome it. 

 
 
 The typical operating problem occurs in Acid Gas Removal Unit using 

Benfield solution are foaming, corrosion and solvent losses (Gary T. Rochelle, 

2006). Foaming is the common problem happen in this process. Foaming of the 

liquid benfield solution because it results in poor vapor-liquid contact, poor 

distribution, and solution holdup with resulting carryover and off spec gas. Among 

the causes of foaming are suspended solids, liquid hydrocarbons, and surface-active 
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agents, such as those contained in inhibitors and compressor oils. One obvious cure 

is to remove the offending materials; the other is to add antifoaming agents. 

 
 
 Various plant inspections have indicated localized corrosion of absorber 

tower walls. Deep, smooth edged pits and some sharp-edged, partly undercut areas 

characterize the corrosion morphology. Some reports have also indicted outgrowths 

of corrosion products within some of the pits. The corrosion problem presents a 

significant safety issue since if not monitored; it may lead to loss of pressure 

containment. The corrosion may require vessel de-rating because of corrosion 

allowance consumption. Production may be reduced because of the time required to 

undertake repair work. The financial losses may be quite significant and 

encompasses direct financial losses such as those incurred because of loss of 

production due to absorber down time (usually 3 weeks) and cost of repair costs. In 

addition, there is the cost of managing corrosion, which is inhibitor usage, plant air 

supply and usage, corrosion monitoring equipment and procedures. 

 
 
 Solvent losses are one of the problems that occur in acid gas removal process. 

The major degradation products among these include formic acid, acetic acid, oxalic 

acid and glycolic acid. The oxygen stoichiometry necessary to produce these 

degradation products varies for each individual component; overall, it varies 

anywhere from 0.5 to 2.5 (Goff, 2004). Goff’s work on Benfield degradation was 

limited to analyzing Benfield degradation rates via the evolution of NH3. The 

ammonia evolution rates were measured using a Fourier Transform Infrared (FT-IR) 

analyzer. The oxidative degradation of the Benfield may significantly affect the 

economics and environmental impact of these solvent systems. Oxidative 

degradation results in fragmentation of the Benfield solvent. The identity and 

quantity of degradation products is required to assess their impact on the 

environment and the process economics and to design for corrosion prevention and 

solvent reclaiming (Gary T. Rochelle, 2006). 
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1.6 Objectives 
 
 
 This research contains two main objectives. The first objective is to evaluate 

existing process flow diagram of industrial AGRU based on four parameters that 

include absorption column removal efficiency, power consumption, heating duty and 

cooling duty. The second objective is to replaced Benfield solution with Amine 

solution which process take place. Process improvement can be realized after making 

comparison for the four parameters highlighted above. 

 
 
 
 
1.7 Scopes of the Research 
 
 
 This project will be focusing on simulation thru Aspen Hysys, which is will 

be done based on the industrial Acid Gas Removal process flow sheet that use Amine 

solution instead of Benfield solution. Comparisons between AGRU which used 

Benfield solution and AGRU that will be using Amine solution are being made in 

terms of absorption column removal efficiency power consumption, heating duty and 

cooling duty. 

 
 
 
 
1.8 Rationale and Significance 
 
 
 In this research, the motivation to use Amine solution instead of Benfield 

solution for industrial AGRU system are based on overall process and economic 

performances. While typical AGRU has operational problems such as solvent losses 

and degradation, foaming and corrosion, the selection of solvent is therefore very 

important. Replacing Benfield solution with Amine solution is theoretically offers 

both process and economic advantages.  

 
 
 


